
[image: image36.wmf]Peak Definitions and Load Shapes

SCE

Continue to use the current estimates for the 2006-2008 program cycle.  (pp. 1-2)

SCE

RA Counting rules should not be used (p. 2)

SCE

Support development of hourly calibrated measure impact data for the next program 

cycle (p. 2)

SCE

Prefers to use DEER database estimates rather than load factors by end use. (p. 3)

TURN

Opposes use of end-use load factors. (p. 3)

TURN

Recommends the Draft Report reflect additional criticisms of the RA method.

TURN

TURN suggests focusing the workshop on load shape and peak savings estimates 

improvements.(p. 2)

DRA

Opposes the use of DEER kW values to report peak kW.  Supports the use of end use 

load factors until reliable load shape data becomes available for all utilities (p. 2)

DRA

Utility administrators should not be at risk for using the load factors (p. 2)

DRA

The workshop should discuss details of implementing and weighting load factors, 

and the Commission may wish to revise the demand reduction goals for 06-08. (pp. 

2-3)

PG&E

Peak metrics should be consistent with methods used to determine the extent to which 

different resources contribute to the acheivement of RA requirements. (p. 2)

SDG&E

Concurs with E3 recommendations, as issues not addressed in comments.
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In accordance with the 12/27/2005 ALJ Ruling on Scope and Schedule for the 2006 Update to Avoided Costs and E3 Calculator Directed by Decision 05-09-043.

In Decision 085-09-043, the Commission established the process for addressing a 2006 update to the avoided costs and E3 Calculator.  The decision directed the utilities (PG&E, SCE, SDG&E, and SoCal Gas) to “contract with appropriate expertise to develop a draft report presenting recommendations on avoided cost updating and related issues and to submit that draft report by February 20, 2006.”  The utilities contracted with Energy and Environmental Economics, Inc. (E3) to prepare this report.  

The scope for this report is set forth in the December 27, 2005 Administrative Law Judge’s Ruling on Scope and Schedule for the 2006 Update to Avoided Costs and E3 Calculator Directed by Decision 05-09-043 (Scoping Ruling).  Specifically, this report makes recommendations on eleven issues related to the E3 Calculator, avoided costs and load inputs.  This report is focused on updates that can be “completed as soon as possible, so that utilities can respond to the resulting impacts on their 2006-2008 energy efficiency portfolio forecasted energy savings, demand reduction, and cost effectiveness.” (Scoping Ruling, p. 6)  This report is not the forum for developing a complete record on all avoided cost and valuation issues, nor is it the forum for debating the Commission’s established energy efficiency goals (Scoping Ruling, pp. 5-7).

As part of the process to obtain input from interested parties, the consultant (E3), and the utilities solicited comments on the eleven Scoping Ruling issues and held a public workshop on January 24th 2006. On February 20, 2006, E3 released a draft version of this report (Draft Report), reflecting both the pre-workshop written comments and the January workshop feedback.  
Parties filed comments on the draft report on March 9, 2006, followed by a public workshop on March 14 - 15, 2006 (March Workshop).  ALJ Gottstein was in attendance for both days of the March Workshop.  Consensus and non-consensus items from the March Workshop are presented in Appendix A of this report.  Action items from the March Workshop are presented in Appendix B.  Party comments filed prior to the workshop are summarized in Appendix C of this report. The workshop presentation material is provided as Attachment 1, details on Jeff Hirsch’s DEER TOU versus Hourly data analysis is Attacement 2, and a comprehensive definition of the DEER peak kW calculation method is included as Attachment 3.
The body of the report addresses the issues in the order they are enumerated in the Scoping Ruling.
(1) Develop a common definition of peak (and critical peak or other terms, as appropriate) demand reductions to use in evaluating energy efficiency resources across proceedings.
Peak Definition

Currently there are four measurements of peak demand reduction used in the E3 Calculator: DEER peak kW, H-factor based kW, utility estimates of peak kW, and coincident peak kW based on hourly end-use data.  The mix of peak metrics is driven by the available load data information and represents a “best effort” to estimate the summer on-peak impacts of the various energy efficiency measures.  In addition, a kW metric consistent with Resource Adequacy counting rules for Demand Response (DR) resources has been discussed in workshops.
The choice of peak demand reduction metrics does not affect the estimation of program cost effectiveness.  It can, however, become an issue if a peak kW metric is used for goal tracking or determining incentive payments. The Energy Division has raised the concern that the ability to mix and match different peak metrics makes direct comparison across programs or their summation difficult.  Table 1 summarizes the possible metrics.
Table 1:  Peak Metrics
	Metric
	Data Requirement
	Pros and Cons

	DEER kW
	Available for measures in the DEER database. 
For temperature sensitive measures, peak demand is defined as the average grid level impact for the measure from 2pm to 5pm on peak days
. 
	Pro: Is currently used by utilities for measures where DEER kW is available, though there are some differences among utilities. Both SCE and SDG&E report DEER kW for all programs.

PG&E states that only 60% of its program impacts are based on measures in the DEER database (the rest calculated from larger, complex projects)
Cons: Not available for all measures. DEER kW is derived using building simulation tools based on prototypical buildings and as such has some limitation in terms of accuracy.

	Summer on peak kW
	Based on old utility studies, or can be calculated from hourly end use or impact shapes
	Pro:  Readily available from old utility studies, which often used load research data and conforms with utility time of use period definitions.
Con:  On peak periods vary for each utility, so the reported on peak demand reduction for the same measure could differ across utility service territory (even if all other things were equal)

On peak demand estimates from the TOU studies can differ from the DEER kW estimates.  This fact prompted SDG&E to report DEER kW (also referred to as Deemed kW) for all of their programs.

	Load Factor based kW (CEC kW)
	Annual energy reductions multiplied by a fixed conversion factor.
	Pro:  Easy to estimate.  Requires little additional M&V effort.

Con: Does not recognize the fact that peak load factors vary by measure, and could therefore allow an overemphasis on poor peak-load-factor measures such as residential CFLs.

	Resource Adequacy  (RA) consistent peak kW
	Early discussions centered around requirements for Demand Response which currently counts peak load as the average reduction over  48 hours of operation, 4 summer months, 4 operations per month, 3 hours per operation.
According to the newly adopted RA counting rules, the RA value of energy efficiency is 115% of its monthly coincident peak impact.  
	Pro: Might reflect the actual avoided costs of capacity if resource adequacy (RA) counting rules were to apply to energy efficiency measures.
Con:  RA rules are interim.  Requires hourly data.  Unclear which hours should be designated as the peak period dispatch hours, or the single hour monthly coincident peak.  PG&E also cautions that peak impacts calculated from an RA perspective could be significantly lower than peak impacts estimated from past and current methods.

	Coincident peak kW
	Requires hourly load shapes and specification of peak hours.  For PG&E’s end use shapes, the peak hours were identified as the five top system load hours in each month.  Monthly coincident peak kW = average load during the five peak hours.  Coincident peak is the average July through September monthly peak kW. 
	Pro:  Provides the most precise metric of peak or critical peak load reduction.

Con: Requires hourly load data which is not currently available.  May be a challenge for M&V ex-post estimations.


Consensus Position – Near Term
After lengthy discussion in the March workshops, parties agreed that the DEER kW definition of peak kW should be used for the 2008-2010 program cycle.  Those measures or programs that lack DEER kW values may continue to use the utilities’ best estimates, and will be subject to ex-post measurement.  
Parties also concurred with ALJ Gottstein’s recommendation that the utilities inform their Peer Review Groups (PRGs) of the ratios of kW to kWh for programs that are not in DEER, so that the PRG may determine if further investigation might be needed for the utility reported kW reductions for non-DEER measures and programs. (Action Item 2.  A full list of action items is contained in Appendix B.)
ALJ Gottstein also clarified during the March Workshop that utility goals would not be revised, but that there is flexibility in the process for parties to justify why goals may have not been met.
Consensus Position – Long Term
Comments during the January workshops guided the Draft Report to focus on the peak definition needed in the near term for energy efficiency verification of goal achievement and calculation/thresholds, and portfolio management.  While parties continued to recognize this as the most important goal for the purpose of the avoided cost and E3 calculator update, the March Workshop participants also discussed the issue of a definition of peak kW for other proceedings.  
The participants jointly developed Table 2 that lists potential peak definitions for energy efficiency, based on intended use of the peak metric.  The table also lists the granularity of data that would be needed to calculate the peak metrics.  Based on this table, the group arrived at the consensus that rather than define the peak for those other proceedings at this time, effort should be focused on assuring that load shape research and M&V efforts would produce hourly load shapes in time for the 2011-2013 program cycle.   The development of hourly data would provide the granularity of information needed to develop any of the many likely peak kW metrics needed for each purpose.  The March Workshop participants also developed an action plan for the load shape research.  The action plan is in Appendix B.
Table 2:  Peak Definition Metrics and Data Needs 

	Purpose
	Metrics
	Granularity of data

	EE Goal attainment
	Load factor -program
	Annual kWh

	 
	DEER kW
	2-5pm, 3 peak days

	 
	Coincident peaks
	Hourly data

	Resource adequacy
	Monthly single hr coincident peak
	Hourly data

	Cost effectiveness of EE
	Flexible definitions possible with hourly data. (DEER, Top 100, 12 coincident monthly peaks, etc).  Definition not required with hourly data for valuation.
	Hourly data during the summer peak (600-1000 hours?)  Winter peak as well?

	Long term resource planning
	Definition of peak not required.
	8760 hourly data portfolio basis.

	Critical peak pricing
	NA
	Hourly data during the critical peak (100-150 hours?)  

	Performance basis
	Metric for thresholds.  Consistent with Goal attainment
	Hourly data during the summer peak (600-1000 hours?)  Winter peak as well?


Critical Peak estimation

Critical peak is a metric that has gained attention for dispatchable measures such as demand response (DR) programs, nonfirm rate options, and capacity-focused peak pricing programs.  Possible critical peak periods include: top 100 hours (consistent with past rate design and load research practices), top 300 hours (Sempra rate design), or 48 peak-period hours over 4 summer months (Resource Adequacy DR requirements).

While the critical peak kW is a necessary metric for dispatchable demand side management options, E3 believes that the metric is not necessary for non-dispatchable energy efficiency measures and should not be developed at this time.  The lack of good hourly load data makes development of accurate peak kW metrics difficult.  As critical peak kW are even more sensitive to the accuracy of that hourly data, development of critical peak kW would be even more difficult.  This is reflected in Sempra’s comments cautioning against developing methods or metrics that exceed the accuracy of the available data.  We believe that the development of critical peak kW metrics for non-dispatchable measures would require such an overreach. 
A related issue is the development of “super” peak periods that, while not as focused as the critical peak hours used in discussions of programs such as DR, would have fewer hours than the current 500 to 700+ summer on peak hours.  The potential advantage of adding a super peak period would be less averaging of avoided costs and load reductions for those measures that have load reductions whose shape is highly correlated to the shape of the avoided costs.  For measures with hourly loads, this is not an issue since the benefit calculations are performed on an hourly basis.  However for measures that depend on TOU-based shapes, the averaging of avoided costs by TOU period could undervalue those measures that produce relatively more load reduction during the highest cost hours.
To estimate the potential undervaluation, E3 calculated the average on-peak avoided cost for four load shapes using four different TOU period definitions.  The load shapes are hourly building end use shapes from PG&E’s climate zone 13.  The avoided costs are the current generation and environmental hourly values for 2006 for climate zone 13 in PG&E’s service territory
. 
Table 3 shows the average on-peak avoided cost for each end use shape.  The first row uses both hourly costs and hourly loads.  The subsequent rows calculate average avoided costs as the product of the average avoided costs and energy reduction in each TOU period. PG&E’s TOU periods are used in the analysis.  Each row is labeled according to the definition of the summer period (the months) and the hours in the summer on peak period
.   

Table 3 shows that residential air conditioning is most undervalued end-use when using TOU period averaging..  The table also shows that in climate zone 13 (Fresno, Bakersfield) a narrower summer on peak period definition would reduce undervaluation from 12.4% to 5.7%.
  
Table 4 shows a similar but smaller effect for climate zone 3 (San Francisco Bay Area).
Table 3:  Average avoided costs based on hourly and TOU calculations – CZ 13
.
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97.2

$    
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$           

 

104.6
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May - Oct.  Noon-6pm
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93.7
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-3.6%
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Table 4:  Average avoided costs based on hourly and TOU calculations – CZ 3.
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Given the complexity involved in developing new TOU shapes, E3 recommends against the construction of critical peak kW metrics for goal setting, or the construction of critical peak TOU shares for measure evaluation at this time. Rather E3 recommends that a valuation adder be applied to certain measures that use TOU information.  The valuation adder would correct for the undervaluation of those end uses that occurs when TOU block information is used in the absence of hourly shape data.    March Workshop participants agreed that new TOU shapes should not be developed, and that adders to correct for the TOU undervaluation should be developed in their place.
Undervaluation from TOU Averages

There was consensus at the March Workshop that Residential AC measures that use TOU shapes should receive an adder to correct for the TOU undervaluation.  There was no consensus as to the level of that correction, and whether the correction should vary climate zone and/or utility.   In addition, there was no consensus as to whether other customer sectors and measures that use TOU shapes should also receive a corrective adder.  
Parties at the March Workshop requested to see the magnitude of the undervaluation problem for all of PG&E’s end uses that have hourly load shapes.  These results are shown below.  To provide comparability with DEER results provided later, the magnitude of the undervaluation has been expressed as a ratio of the average avoided costs calculated using hourly granularity for loads and costs divided by the average avoided costs calculated using TOU granularity for loads and costs.  The ratio represents a multiplier factor that would be applied to the TOU average value to correct for the undervaluation.  For example, assume the ratio
 is 1.15, and the TOU avoided cost is $100.  To correct the TOU avoided cost to the hourly equivalent, multiply the cost by the ratio ($100 * 1.15 = $115).  
Table 5:  Undervaluation of Residential End Uses due to TOU Averaging
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Table 6:  TOU Undervaluation - Commercial Sector Climate Zones 1-5
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Table 7:  TOU Undervaluation - Commercial Sector Climate Zones 11-13
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Parties also requested to see the undervaluation inherent in the use of TOU averages based on DEER hourly load shapes.  Jeff Hirsch has prepared a report on the TOU undervaluation corrections needed for select hourly shapes, which is included as Attachment 2 to this report.  The summary tables are reproduced below.  The tables show the ratio of the avoided costs calculated using hourly granularity for loads and costs divided by the avoided costs calculated using TOU granularity for loads and costs.
Table 8 shows that the corrective adder (technically a multiplier) differs for each utility.  This reflects differences in impact shapes, in NP-15 versus SP-15 generation market shapes, as well as the differences in TOU period definitions.  It is noteworthy that SDG&E’s corrective factor is significantly higher than the corrective factor shown for SCE.  This is largely due to SDG&E having a summer peak period that contains many more hours than SCE’s.  The more hours in the summer peak TOU period, the more averaging that occurs and the larger the averaging undervaluation.

When comparing the SCE and PG&E values in Table 8, one sees that the differences at the climate zone level are small.  The weighted average value shown at the bottom of the table shows a larger variation due to the population weighting applied to each climate zone.
Table 8:  Residential TOU Corrections - DEER
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Table 9:  Commercial TOU Corrections
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ALJ Gottstein directed the utilities to jointly develop a recommendation for the corrective value adders for TOU-based measures (Action Item 9).

Based on the PG&E end use and utility-specific DEER information, E3 recommends that corrective value adders be applied to residential AC for each utility.  E3 believes the weighted average values shown at the bottom of Table 8 would be adequate, but would also support use of the climate zone specific numbers.  Regarding an adder for other residential end uses, E3 would defer to the utilities’ judgment on those load shapes.

For the commercial sector, Table 9 shows that retail AC merits a corrective factor that is twice as large as the factor for the office sector.  Currently, however, the E3 calculator is not set up to differentiate costs by commercial subsector.  The simple approach would be to use the office corrective factors for all Commercial AC.  Table 7 shows that for PG&E’s end use shapes, the office AC shape undervaluation is the same as the average commercial AC shape undervaluation.  If parties wish to apply different corrective factors to different commercial subsectors, the E3 calculators would need revisions that would require users to specify the commercial subsector for all AC measures.
Based on Table 6 and Table 7, E3 also recommends that for the commercial sector, corrective factors only be applied to AC (cooling).
Net versus gross demand for goal assessment

DRA recommended in pre-workshop comments that net MW be used for goal assessment and gross MW be used for forecasting.  Our understanding is that DRA wants to ensure that the forecasts reflect the total amount of energy efficiency load reduction.  The net MW definition excludes reductions for installations that would have occurred absent the energy efficiency program, whereas gross MW include those “naturally occurring” MWs.
The critical issue, however is whether those naturally occurring MW reductions are captured in the base utility load forecast.  PG&E believes that because their base load forecast includes natural adoption of energy efficiency, using gross MW would double count those adoptions.  E3 agrees with PG&E if the impact of the natural adoption of energy efficiency programs is reflected in the time series data that the utilities use for forecasting.  SDG&E has confirmed that naturally occurring energy efficiency reductions are contained in their base forecast. E3 recommends that net MW be used for both goal assessment and forecasting.  
ALJ Gottstein stated at the March Workshop that this issue is not relevant to this update process, and best addressed elsewhere.
(2) Update the interim avoided cost methodology/E3 calculator to more accurately reflect the impact of energy efficiency, distributed generation and demand response on peak and critical peak loads, including consideration of how critical peak avoided costs should be used in the context of energy efficiency measures that are not fully dispatchable.
Description of current methodology

The current methodology reflects the value of demand reductions during peak and critical peak demand periods by using an hourly price shape based on PX settlements that occurred between April 1998 and May 2000.  The generation portion of E3’s avoided cost methodology calculates an annual average market price for years after the resource balance year based on the long run marginal cost (LRMC) of a new, combined-cycle gas turbine (CCGT) power plant, including return on and of the equity investment in the generator.  This annual value is then allocated to the 8760 hours of the year by scaling the PX price shape so that the average value of the price shape is equal to the LRMC value.  Other avoided cost components such as environmental costs and transmission and distribution avoided costs are also added to the hourly energy values to create the total avoided costs used for energy efficiency cost effectiveness evaluations.  

Criticisms and suggested modifications of current methodology 
Decomposing Generation Costs into Energy and Capacity

PG&E continues to recommend that the avoided cost of capacity be separated from the all-in avoided cost.  PG&E believes that in order to properly reflect the EE’s peak impact on avoided costs, this all-in generation cost needs to be first separated into energy and capacity, or RA, avoided costs. PG&E further argues that there is no need to allocate the avoided capacity cost on an hourly basis, since capacity is attributed to the RA requirement reduction associated with a particular program.

When E3 was developing the current avoided cost methodology, it was our understanding that hourly DEER impact shapes would be available.  With hourly shapes, it is unnecessary to decompose the generation avoided costs.  With TOU shapes, TOU averaged cost data can underestimate the value of measures that have reduction shapes correlated with the high cost hours.  SCE has recognized this fact in past workshops and stated that their energy efficiency benefit estimates are conservative because of this.
E3 is concerned, however, that if capacity costs are separated from the all-in generation cost, then the value of energy efficiency measures that reduce peak demand could be overestimated.  Given the uncertainty around the definition and measurement of peak kW, E3 is concerned about crediting a large portion of generation avoided costs to measures based on capacity.  Peak kW values could overestimate the true system grid impact of an energy efficiency measure, and using peak kW with capacity values could overvalue energy efficiency measures.  In ratemaking applications, care is taken in defining peak periods and developing allocation factors so that system peak kW impacts are estimated based on the likelihood that an hour is the peak hour.  E3 is concerned that current estimated of peak kW for energy efficiency measures are not developed in a similar manner.
E3 cautions the decomposition of capacity from the all-in cost of generation represents a major methodology change that would require substantial revisions to all program valuations.  Also, given the potential development of a capacity market in the near future, E3 believes that it does not make sense to expend that level of effort to develop a new set of numbers that may bear little relationship to the new market.  Rather E3 believes that this issue should be addressed in Phase 3 of the avoided cost proceeding.
ALJ Gottstein confirmed at the March Workshop that the separation of capacity from the all-in avoided cost is a phase 3 issue.

Additional Peak Value
Some parties, particularly TURN, have argued that the E3 methodology understates the value of energy savings that occur during the highest peak hours of the year.  TURN believes that energy saved during peak hours may have “an additional hedge value for capacity beyond the E3 model value.”  TURN attributes this value to an “asymmetry of outcomes”; TURN believes that the societal cost of a resource shortage is substantially greater than the societal cost of additional capacity resources.  

SDG&E in its original comments to the avoided cost methodology in Phase 1 of this proceeding proposed to modify the E3 methodology by adjusting the upper end of the price curve to ensure that the owner of a new, simple-cycle combustion turbine (CT) would not earn excessive returns, or conversely adjust the price curve upward if the returns to the CT owner would be inadequate.  

Should the LRMC methodology be modified to allow a CT to enter the market?
The LRMC methodology is built upon the assumption of free market entry and exit.  Free entry means that market prices above the fully-allocated cost of a CCGT cannot persist, because such high market prices would lead to the construction of new CCGTs that would tend to drive the price down.  Free exit means that market prices below the fully-allocated cost of a CCGT cannot persist, because such low prices mean that existing units will be unable to earn enough margin to cover fixed costs and will exit the market (or alternatively, the construction of new resources will be delayed until growth in demand has consumed any temporary capacity surplus), driving the price back up.  In the long run, therefore, the market price can be neither higher nor lower than, and must therefore be equal to, the fully-allocated cost of a CCGT.  

E3 does not believe that the LRMC methodology should be modified to accommodate the entry of a simple cycle CT into the market.  The assumptions of free market entry and exit lead to the condition that the market price must be equal to the fully-allocated cost of a CCGT.  It does not necessarily follow that the resource balance condition must allow for the entry of both CCGT and CT units.  Whether peaking units can enter the market is a function of market price variation that may occur on a seasonal, daily or hourly basis.  Such variation would depend on the shape of end-use loads, the ability of existing resources to meet high system peak demands, the availability of imports from the capacity-rich Pacific Northwest, and other factors.  
At the same time, it does not necessarily follow that the LRMC condition can not allow for the entry of both CCGT and CT units.  Again, this is a function of market price variation during the year, and not the level of the LRMC.  The LRMC methodology can be made consistent with the view that the resource balance condition requires entry of both CCGT and CT units through a modification of the PX price shape as discussed in the next section.
E3 also does not support suggestions that the LRMC methodology understates the hedge value of non dispatchable efficiency measures.  The LRMC methodology calculates the full cost of energy for firm delivery to the end-user.  This value includes the cost of firm transportation capacity on the relevant natural gas pipelines, firm transmission capability, real power losses, ancillary services, and other costs necessary to deliver firm energy.  Thus, the LRMC methodology produces a value for a fully-hedged, physical product.  This issue was discussed at some length during the Phase 1 proceeding.  E3 is concerned that TURN’s proposal shifts valuation away from using expected costs, and toward using risk averse inflated costs.
Should the PX price shape be modified to provide sufficient margin to recover the capital costs of a CT?
E3 believes that the current methodology does a reasonable job of capturing the higher value of programs that save energy during peak demand periods.  The 1998-2000 period used to determine the hourly avoided generation cost shape featured a fair degree of hourly price volatility.  Indeed, a number of academic papers were published that raised concern about market power in the PX markets during this period.
  The price volatility can be seen in a simple look at the scaling factors used in the E3 calculator.  The top hour for both the NP15 and SP15 price shapes has a scaling factor of 523 percent; this means that the highest price is more than five times higher than the average price for the year.  The NP15 price shape has 82 hours in which the scaling factor is greater than 300 percent and 275 hours in which it is greater than 200 percent.  Another way to assess the volatility implicit in the price shape is to look the marginal heat rate -- the hourly electricity price in $/MWh divided by the daily natural gas price in $/MMBtu -- during each hour.  This provides an indication of the margin available to a plant owner during each hour.  The marginal heat rate for the highest hour for NP15 is 46,763 Btu/kWh.  The price shape has 100 hours with a heat rate higher than 25,000 Btu/kWh, 385 hours with a heat rate higher than 15,000 Btu/kWh, and 872 hours with a heat rate higher than 12,000 Btu/kWh.  E3 believes that the volatility experienced during this period is substantially greater than has been seen during recent years in California.  

E3 agrees that the current price shape does not contain sufficient margin to provide recovery of the capital investment in a new CT facility in the resource balance year.  The important question is whether the resource balance condition requires entry of both CT and CCGT units.  The LRMC methodology does not preclude that possibility, and while we believe that the PX price shape is reasonable for the purpose of evaluating energy efficiency programs at present, we recognize that the continued appropriateness of the price shape will become more and more of an issue with the passing years.  However, we believe it is premature to conclude at this time that the resource balance condition must by necessity allow entry of a CT.  This is a complex theoretical question that will be the subject of a variety of research efforts and proceedings over the next several years, and we believe that major revisions to the E3 methodology should await the results of those proceedings.  

At the same time, E3 has developed a modified avoided cost methodology for the CEC Title-24 building standards investigation into the valuation of demand responsive measures.  This methodology modifies the PX price shape under resource balance by adding value during the 100 highest-priced hours until the price shape returns the full capital cost of a CT.  In order to avoid producing an annual average market price that exceeds the LRMC of a combined-cycle unit, this value is not simply added to the high end of the price duration curve, but rather is shifted from the hours of the year when the CT does not operate.  E3 presented a summary of this methodology at the end of the second day of the October 2005 workshops in this proceeding.  Details on the methodology can be found at http://www.ethree.com/tdv2008.html.
At that time, based on older forecasts of natural gas prices, the residual capacity adder was in the $20-30/kW-yr range.  Table 10 shows that with the updated NYMEX and natural gas fundamentals price forecast, the residual capacity adder would be about $34/kW-yr for NP-15 and $28/kW-yr for SP-15 in 2010.  
Table 10:  Residual Capacity Value using a Flat Gas Profile*
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* Updated since the Draft Report with the updated NYMEX gas forecast.
During the January workshop, PG&E suggested refining the analysis by using spot gas prices, rather than an annual average value.  With this refinement, Table 11 shows that the residual capacity adder increases by about $10/kW-yr to $44/kW-yr NP-15 and $39/kW-yr for SP-15.

Table 11:  Residual Capacity Value using a Spot Gas Profile*
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* Updated since the Draft Report with the updated NYMEX gas forecast.
Because of the magnitude of these adders, E3 is cautious about the need to reshape the cost curve to include the residual capacity value.  Specifically, E3 observes that using the CEC Title-24 DR methodology, the residual capacity value increases as natural gas prices increase.  This is logical because higher gas prices increase the CT strike price at a faster rate than the overall market price increases.  However, E3 is concerned that a capacity adder around $40/kW-yr in 2010 that rises up to around $50/kW-yr by 2015 may be large enough to represent a fundamental change to the currently adopted methodology and results, warranting a more thorough analysis and stakeholder involvement than is provided in this update process.  

Figure 1 plots the 8760 hourly electricity avoided costs for PG&E in 2006.  The magenta (light) line plots generation plus all adders except T&D for the avoided costs currently used by PG&E.  The blue (dark) line plots the avoided costs with $40/kW-yr of residual capacity value added using the CEC Title-24 DR methodology.  The CEC methodology is similar to the peak capacity allocation factors used for revenue allocation and rate design.  The methodology allocates costs to the top 100 CAISO load hours --- the higher the load the more cost allocated to that hour.  The CEC methodology also reduces the avoided costs for all hours outside of the top 100 period, such that the sum of the avoided costs is that same as for the unadjusted avoided cost shape.
Figure 1: NP-15 Avoided Generation Costs with and without $40/kW-yr Residual Capacity Adder
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To see how these avoided costs translate into valuation impacts, E3 applied the hourly avoided costs to hourly load shapes from PG&E’s Climate Zone 13.  Table 12 shows that the capacity adder increases the average avoided cost for each measure, with the largest increase for Residential Air Conditioning.
Table 12:  Average Avoided Costs using $50/kW-yr Residual Capacity Value and Hourly Measure Shapes ($/MWh)
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Table 13 shows the effect of the residual capacity adder when applied to TOU measure shapes.  As expected, the change in average avoided costs for the residential AC shape is dampened when only TOU information is available.  Note that should a residual capacity adder be adopted, then the TOU undervaluation correction factor discussed earlier would also need to be re-estimated with the new avoided cost shape.
Table 13: Average Avoided Costs using $50/kW-yr Residual Capacity Value and TOU Shapes ($/MWh)
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While we are not convinced that the avoided cost values should be increased during the peak hours, we believe that the CEC Title-24 methodology does create a separate value of capacity and could achieve consensus among many of the parties.  Furthermore, such a modification might lead to greater acceptance of the valuation methodology given the concern expressed by some parties during Phase 1 about the lack of a separate capacity value.  This does not outweigh our concern about the possible impacts of such a change at this time, however, and our overall recommendation is to stay with the current methodology.  
Comparison to TURN forecast of residual capacity value.

In the comments filed prior to the January Workshop, TURN estimated that a residual capacity value would be in vicinity of $20/kW-yr in 2010, rather than the $44/kW-yr that E3 has estimated.  During the March Workshop, ALJ Gottstein requested clarification of the causes of the differences in residual capacity value estimates.  Bill Marcus provided a copy of TURN’s spreadsheet to E3, and E3 has determined that the main differences in residual capacity value are caused by four different assumptions.  

1. Use of Flat Gas prices - $10/kW-yr.  TURN used a flat annual gas price to conduct its analysis.  This lowers the residual capacity value by about $10/kW-yr as compared to E3’s use of spot gas, as shown in the difference between Table 11 and Table 10 above.

2. Difference in CT Cost - $4/kW-yr.  TURN uses an initial investment cost of $523/kw.  E3 uses the 2004 Market Price Reference (MPR) value of $556/kW.  The difference converts to about $4/kW-yr in 2010, as shown in Table 14.

3. Difference in CT Book Life - $7/kW-yr.  TURN uses a book life of 25 years for the CT,  E3 uses the MPR value of 20 years.  The shorter book life results in the cost of the CT being levelized over fewer years, which increases the $/kW-yr value.

4. Difference in Inflation Rates.  TURN uses a 2.5% inflation rate, E3 uses the MPR value of 2% per yr.  The change barely alters the 2010 value, but does change the trajectory of nominal costs.  As shown in Table 14, without this last change, the levelized CT costs would differ by over $7/kW-yr in 2023 ($106.6/kW-yr as compared to $114/kW-yr). 
Table 14:  Reconcilliation of E3 and TURN Levelized CT Costs ($/kW-yr)
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Comparison to PG&E forecast of residual capacity value
In the March Workshop, PG&E explained that it calculates residual capacity value using a spark spread option model.  Action Item 5 directs Bill Marcus, E3 and PG&E to confer on capacity adder methods and explain the differences in a joint filing.  E3 expects for the PG&E method to be addressed in that filing.
Should the PX hourly shapes be replaced by Time of Day factors from the Renewable Portfolio Standards proceedings?

SCE recommended in their comments prior to the January 2006 workshop that TOD values replace the current PX hourly shapes. Figure 2 shows the TOD factors for each electric utility compared to the PX price shapes.  The TOD factors and PX shapes are shown normalized so that the value of 100% equals the average annual market price of generation.  
Figure 2:  Comparison of PX Shapes and TOD Factors
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E3 does not recommend the replacement of PX shapes with TOD factor for two reasons: 1) TOD factors lack granularity, and move valuation back toward TOU averages,  and 2) The replacement of hourly data with TOD factors represents a major change to the avoided cost methodology and would best be addressed as part of Phase 3 in this proceeding.
Relationship between E3 methodology for energy efficiency and methodologies for valuing dispatchable programs
E3 believes that the current methodology is reasonable for evaluating energy efficiency programs, and accepts that a proposal to modify the methodology to ensure capital recovery for a CT would be likely to achieve consensus among the parties.  However, we would caution against extending this methodology to the valuation of dispatchable programs such as demand response and distributed generation at this time, for the following reasons.

First, dispatchable programs derive their value from avoiding utility costs during a very small number of critical peak hours.  Thus, proper valuation of these programs hinges on deriving the correct values to allocate to those specific hours.  The E3 methodology to date, however, has not focused on deriving the appropriate values for those few critical peak hours, but rather on deriving the appropriate values for the relatively large number of hours in which energy efficiency programs achieve savings.  
Second, dispatchable programs can provide higher value to utilities through the ability of the utility to dispatch the programs when needed or when economic to dispatch.  This ability to pick and choose the hours of operation allows the dispatchable measures to attract an expected value of avoided costs for some hours that is higher than what a non-dispatchable program would attain. This is a fundamental (though likely small) difference for dispatchable programs.
Third, TURN mentioned that there are other factors to consider in DR valuation such as suboptimal dispatch due to imperfect information about when the true peak hours might occur in any year.  There is the risk that operators may be overly conservative in their dispatch decisions out of concern that even worse hours may occur later in the year, as well as the converse risk that operators expend all of their dispatch rights before the worst hours occur. The avoided costs should be developed in a forum that considers this and other unique characteristics of dispatchable measures.
Finally, there are a number of research efforts and proceedings both underway and upcoming, including the Phase 3 proceeding, which will address the issues of critical peak pricing, valuation of demand response programs, and other similar topics.  With the significant resources that are currently being or will soon be devoted to this topic, it is likely that new knowledge and methodologies will emerge that will inform the CPUC’s efforts to establish a method for evaluation of dispatchable programs.  

For all of these reasons, E3 believes it is premature at this time, particularly in the context of this mid year update, to attempt to extend the E3 methodology to the evaluation of dispatchable programs.
(3) Consider how the recently adopted resource adequacy counting rules adopted in D.05-10-042 and D.04-10-035 might affect (1) and (2) above. For example, should the definition of peak or critical peak only apply to load reductions that count toward meeting resource adequacy requirements under the “top down” approach adopted by those rules?
PG&E has stated in pre-workshop comments that if the utility needs to secure capacity to meet Resource Adequacy (RA) requirements, then energy efficiency’s capacity value is the cost of RA capacity purchases that it avoids.  PG&E had suggested applying RA counting rules to energy efficiency to determine its contribution to utility avoided costs. Other parties (DRA, SCE, SDG&E, and TURN) have opined that since Decision 05-10-042 directs energy efficiency reductions to be subtracted from loads (rather than added to resources) there is no need to apply RA rules to energy efficiency.  PG&E now concurs with the other parties, since the recently-adopted RA counting rules define energy efficiency’s RA contribution as 115% of its monthly coincident peak impact.  
Although PG&E raises a valid theoretical concern about reflecting the avoided costs of maintaining resource adequacy in the evaluation of energy efficiency measures, E3 does not believe that adoption of the RA rules warrants changes in the avoided cost methodology at this time.  In addition, the determination of avoided capacity costs associated with RA is overshadowed by the larger issue of the potential emergence of a capacity market in California, which would merit a reevaluation of the overall generation avoided cost methodology.  RA costs should be addressed as part of that larger reevaluation.

While RA counting rules for DR have been mentioned as a potential way to determine energy efficiency peak kW reductions, E3 does not endorse their use for the energy efficiency measures.  The RA counting rules were developed to address resource availability during critical or super peak time periods.   E3 believes that the application of RA counting rules to energy efficiency measures is unnecessary and overly restrictive, for the following reasons:
1. As stated by numerous parties, RA counting rules for DR do not directly apply to energy efficiency because energy efficiency is treated as a reduction to loads.  While PG&E is correct that energy efficiency impacts on RA could differ from energy efficiency peak kW reduction estimates, E3 believes that such deviations would likely be small in comparison to the questions raised by TURN regarding the accuracy of the current hourly load shapes and TOU factors.
2. In order for energy efficiency to reduce RA requirements, energy efficiency measures only need to reduce the single peak hourly load for each month
.  Forecasts of single hour load reductions, however, are difficult to make for non dispatchable energy efficiency measures.  TURN cautions that the determination of RA requirements cuts the estimation of peak contribution too finely for forecasting purposes.  For forecasting applications such as rate design, there is a long Commission history of using many hours (such as 100) for determining customer class contributions to system coincident peak demand.  Single hour estimates have been rejected as being too volatile for determining class cost responsibility.  E3 believes that they are also too uncertain for use in energy efficiency valuation or goal tracking.
3. If counting rules for DR are applied to individual energy efficiency measures then the sum of the individual energy efficiency measure “counted kW” will likely underestimate the “counted kW” of the energy efficiency measures as a whole.  The counting rules, at least as we understand their application by PG&E, would only count the minimum kW produced (or reduced) for each measure over the 48 hour dispatch period.  The sum of the minimum reductions will be lower than the minimum of the sum of the reductions. [Note that with the recently adopted counting rules,  PG&E is no longer suggesting that DR counting rules be applied to energy efficiency.  We have included this bullet point, however, to “close the loop” on this issue that has been discussed in public workshops.] 
The consensus at the March Workshop was that the information is not available to calculate the monthly single hour coincident peaks that conform to RA rules, so RA kW is not a near term issue.
(4) Improve the consistency in underlying load shape data and the methods by which that data is translated into peak savings estimates.

The consensus at the January 2006 workshop was that the development of new hourly load shapes is an important area that requires further investigation.  E3 believes that the DEER building simulation and measure impact analysis can produce useful load shapes and load reduction estimates by climate zones, if appropriate underlying assumptions are used and the results are properly calibrated.  
Without knowing the concerns regarding the underlying assumptions and calibration steps that utilities may suggest, it is difficult to know how accurate or consistent any final load shapes might be. The development of final load shapes from a common original source provides a potential improvement over the current mix of hourly load shapes and old TOU shapes.  Unfortunately, these improvements will take a significant effort and cost and would extend far beyond the mid-year update timing.
Please refer to Appendix A for the action plan for load shape improvements.

(5) Consider whether different definitions (different than that recommended in item (1)) of peak demand reductions for energy efficiency are needed for cost-effectiveness evaluation, establishment of energy efficiency peak reduction goals, evaluating achievement of those goals, critical peak pricing, and resource adequacy counting.

The peak definitions discussed in item (1) are constrained by the available load shape information.  E3 believes that the recommended peak kW definitions in item (1) are sufficient for cost effectiveness evaluation, goal setting, and goal evaluation.

As for critical peak pricing, item (1) discusses how the load shape limitations and uncertainty over when critical peak periods might occur prevent robust estimations of critical peak reductions for non-dispatchable energy efficiency measures.  
As discussed in item (3), E3 believes that resource adequacy counting does not merit a new peak kW definition for energy efficiency measures.  
(6) Make improvements to measure load shapes, including:

1. More accurate sources of data than those currently used.

2. Improvements to the consistency in underlying load shape data and the methods by which that data is translated into peak savings estimates.

3. Specifications for the type of load shapes to be developed.

4. Period for defining demand impacts (e.g.: 60-minute, run time averages).

5. Calibration of results to annual usage and end-use survey data.

6. Management of data options (how to meaningfully synthesize hundreds of simulation options per measure).
7. How demand will be measured ex-post.
PG&E believes that at the present time, load shapes (hourly and/or TOU) from utility load research provide the best available source of data.  PG&E does not recommend using uncalibrated simulated load shape data.  Therefore, PG&E believes that the adequacy of load shape development in DEER should be reviewed further and assessed.  PG&E also believes that significant research is needed to answer the above questions and scope out the development of new 8760 hourly load shape data.  In addition, the balance between timing, resource and accuracy must also be carefully considered.   
E3 believes that load shape improvements should be pursued, but does not see resolution of this set of issues within the mid-year update schedule.  Rather, these are issues that could be addressed as part of a longer-term research effort.  

· Points (3-4):  E3 recommends the development of hourly load shapes that reflect diversity of impacts at the grid level and reflect run time averages.
· Points (1,2,5 and 6): E3 believes that these are issues that are critical for program valuation in the 2009-2011 cycle.
· Point (7): E3 does not have a recommendation for ex-post measurement at this time. 
TURN suggested a technical working group to pursue load shape research further.  E3 concurs and lists some of the issues that were discussed during the January 2006 workshop.

· PG&E’s hourly shapes are based on end use decompositions of whole building loads.  TURN is concerned that for some end uses, especially air conditioning, the actual hourly reductions for some energy efficiency measures (the impact shapes) may not have the same hourly pattern as PG&E’s building end use load shapes.  

· The CEUS study was mentioned as a potential source of hourly load data for use by the working group, but the utilities stated that they are still waiting for the CEC to release the 2001 data.

· Building simulations, such as those used for Title 24 building compliance analyses were also mentioned as a potential source of load data.  But simulations have overestimated reductions in the past, so calibration would be required.  
· Parties mentioned that concerns over load shapes have existed for at least a year, but the work has not been funded.  
This issue was discussed extensively at the March Workshop, concluding with the action plan for load shape development contained in Appendix A.  The issues identified in this scoping question should be addressed by that action plan.

 (7) Determine the most appropriate calculation platform to use for the program evaluations (i.e., spreadsheet or database).
The current E3 calculator is a Microsoft Excel spreadsheet model.  The calculator was originally designed for PG&E to accommodate a few hundred measure shapes by climate zone, about one hundred measures in an individual program, and three years of quarterly installations.  The calculator now accommodates thousands of measure shapes, up to 800 measures in a program, and up to seven years of quarterly installations.  Each utility has a different E3 Calculator customized with their unique measure shapes and avoided costs.
The advantages of the spreadsheet platform are that it promotes transparency, can be understood by most parties, and allows for quick implementation and rapid revision cycles.
The shortcomings of the spreadsheet platform are:
· Large size (in excess of 30MB)

· Difficulty in maintaining separate calculators for each utility

· Difficulty in aggregating results across multiple calculator files

· Difficulty in applying global changes to all utility programs (because the changes need to be implemented to each separate calculator file)
· No direct links to the DEER database, so parties need to input the measure data manually

· No direct links to the underlying load shape information

Some of these shortcomings can be addressed through a redesign of the calculator.  For example, the calculator could be easily modified to separate the program inputs and results from the measure shape data and calculation engine.  This would reduce the size of the data files and would allow for batch processing of files to facilitate global changes and result aggregations.  However such a change would make the software more difficult to use, and would not address some parties’ desires to link the calculator to DEER and load shape data.
Other platforms

Sempra has expressed their preference for SAS.  SAS is a powerful statistical and database calculation platform.  SAS can be verified by means of code review, but the number of parties that could perform this independent review is limited.  
The Energy Division is considering the incorporation of E3 Calculator functionality into EEGA or a similar database platform.  Parties, however, cautioned that EEGA is a reporting tool, while the E3 Calculator is a planning and forecasting tool.  Also some parties expressed concern about assigning greater responsibility to the EEGA platform given past issues with that software.  
PG&E believes that there is no need for an alternate platform at the present time, although it may need to be changed later pending the outcome of the issues raised herein.  PG&E recommends that the Excel spreadsheet be kept for present use. PG&E also believes that regardless of the requirements that the utilities must meet for regulatory filing purposes, the utility will need to have in-house tools for planning and program management.
DRA stated that it does not see a need to rush into the development of a new tool, but does think that utilities should continue to refine their energy efficiency programs.  TURN also expects to see a shifting of funds towards programs that provide more relatively more capacity benefits..
Recommendation
While the list of shortcomings provides useful direction for future evaluation tools, E3 does not see a need to depart from the spreadsheet platform at this time.  The spreadsheet platform allows for any party to verify the calculations of program costs and benefits, and E3 believes that this is the paramount criterion for a tool used in a regulatory proceeding.
E3 therefore recommends continued use of the spreadsheet calculators for regulatory review.  In addition, the E3 Calculators can continue to be used by parties for planning purposes if they so choose, but the utilities should be allowed to use other programs, such as SAS, for their program development.  All utilities, however, should continue to submit spreadsheet calculators for regulatory review.  Since many of the identified shortcomings of the current E3 calculator are related to calculator size and input data, E3 recommends that parties consider the separation of E3 Calculator inputs and output from the calculation engine as a near term enhancement.  For the longer term, E3 recommends that the migration to another platform should not be decided until more information is known about the availability of new hourly load shapes, as well as the cost and effort needed for such an undertaking.
March Workshop consensus was to continue to use the E3 Calculators in the near term.  ALJ Gottstein urged the utilities to develop a common approach and tool for reporting. 
(8) Correct calculation anomalies with respect to Standard Practice Manual cost-effectiveness indicators/methodologies.
Three anomalies were identified in the E3 calculators used for the utility June 1, 2005 filings.  Of these, only one remains a potential issue.  

Negative Avoided Costs.  The first anomaly is the treatment of load increases.  The Standard Practice Manual (SPM) states that load increases should be treated as a cost in the benefit cost (B/C) ratio.  The E3 calculator treats a load reduction as a positive benefit, and a load increase is a negative benefit.  No party to the October 2005 or January 2006 workshops believed that this merits changes to the E3 calculator.  Parties indicated in the October 2005 workshops that other models currently in use treat load increases in this same way. Moreover, this treatment does not affect the calculation of net benefits.  Finally, although this treatment can alter the benefit cost ratio for a measure or program, it would not make a program with a B/C ratio greater than one have a B/C ratio less than one, or vice versa. 
Direct Install Costs in the TRC Test. Energy Division and DRA expressed concern that the E3 calculator may be incorrectly tracking direct install incentives in the cost tests.  DRA points out that direct installation costs should be included in the TRC calculation.  The utilities stated that direct installation costs have been correctly captured in the gross incremental measure cost and are thus correctly calculated in the TRC test.  Including direct install incentives in addition to gross incremental measure cost in the TRC calculation would therefore create a double counting error..  DRA stated that this could not be the case because TecMarket Works had discovered some cases in the utility June filings that were inconsistent with the utility statements.  SCE stated that the confusion is probably due to input errors that they have since corrected.  This appeared to resolve the issue and no changes to the E3 calculator were proposed.  DRA, however, did request that the utilities check the problem programs identified by TecMarket Works.
Overhead Cost Double Counting.  The one issue that could require modification to the E3 calculator is the treatment of overhead costs.  The ED has directed the utilities to report overhead costs as a separate component in administrative costs, even in cases where contractors are performing the installation work.  The problem is that this could lead to double counting of overhead costs, as overhead costs may already be included in the labor component of the gross incremental measure cost.  PG&E and other parties have requested that the ED relax the requirement to report all disaggregated overhead costs in administrative costs to avoid this double counting problem.  Absent this change, users would need to carefully modify the gross incremental measure costs to prevent the double counting.  It is possible that additional inputs to the E3 calculator could make it easier to remove direct install labor overhead costs from the gross incremental costs, but it is not practicable for utilities to require program contractors to provide overhead costs and then remove the overhead costs from the tens of thousands of measure line items in the calculators.  .Moreover, given the effort that would be required for utilities to update all of their program submissions to a new model, E3 recommends against a model change. 
At the March Workshop, ALJ Gottstein directed the utilities to craft a joint request in to the ALJ and the Energy Division to resolve this issue (Action Item 6)
(9) Convert annual savings to peak savings for all measures using a consistent counting period (useful lives > 2 years)

This issue was addressed in the “quick fixes” in response to the October 2005 workshops.  No parties in the January 2006 workshop identified this as a problem with the updated E3 calculators. 
(10) Identify areas where further refinements of input assumptions/model algorithms may be needed to create a common E3 calculator for use by all implementers.
Discussions during the January 2006 workshop resulted in consensus among the parties that a single calculator would not be possible nor necessary for use by all implementers.  Rather, parties agreed that it is important that the methodologies, input fields and output fields be consistent between calculators.  The current E3 Calculators meet these criteria, and no further refinements were suggested for the purpose of a common E3 calculator.

Parties did suggest some potential improvements for future calculators.  These improvements are listed below.
· Common DEER-based or other load shapes by climate zone

· Reduce calculator size

· Links to DEER Database

· Links to load shapes
E3 concurs that these changes would improve the user experience.  In addition, PG&E expressed an interest in continuing to use the E3 Calculators, or some modified form thereof, for reporting purposes.  
ALJ Gottstein stressed that all the IOUs should use the same reporting tool.  Accordingly, E3 will meet with the IOUs to implement a common reporting tool that reflects the cost effectiveness information embedded in the E3 calculators.

(11) Update the natural gas prices in the E3 calculator based on current forecasts and consider whether the Commission should revise the ex ante assumptions of avoided costs to reflect these updated gas price forecasts, for the purpose of evaluating the performance of 2006-2008 energy efficiency programs.

In the 2006 Update scoping ruling, ALJ Gottstein directed that the “Draft Report include a revised forecast of natural gas prices for the Commission’s consideration.” (Scoping Ruling, p. 8).  During the January 2006 workshop, E3 sought input on the appropriate forecasts to use.  
PG&E believes that the last gas price forecast prior to the start of programs in 2006 should be used for purposes of planning, authorizing and funding programs. PG&E also believes that the evaluation of performance and appropriate parameters should be examined in conjunction with the appropriate phase of this proceeding.

PG&E believes that the following sources should be used to update the EIA and CEC gas price forecasts: 

· The most current long-term gas price forecast from the Energy Information Agency (EIA), which is contained in the Annual Energy Outlook 2006, December 2005 Early Release.  

· The most recent forecast from the California Energy Commission (CEC) is embedded in the 2005 Integrated Energy Policy Report (IEPR), adopted by the CEC in December 2005.  The CEC report “CEC-600-2005-026-REV”, dated September 2005, has graphical depictions of that natural gas price forecast. Since there is no tabular presentation of gas prices at Henry Hub, as required by the CPUC’s methodology, the numerical values will have to be obtained from CEC staff.  

SDG&E believes that tab 14 of the EIA forecast (December 2005 early release version) should be the starting point for one forecast, with the appropriate adjustments applied to remain consistent with the currently adopted methodology.  Those adjustments convert the EIA forecast to nominal dollars at Henry Hub in $ per MMBTU.

Parties also recommended that the underlying gas forecast for the CEC’s most recent IEPR wellhead price with adjustments be used as an update to the CEC forecast in the current methodology
.   Figure 3 shows the current natural gas forecasts plus the updated EIA and CEC IEPR forecasts.
Figure 3:  Current and Updated Natural Gas Price Forecasts [image: image17.emf]4.00
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The current methodology uses an average of the EIA, CEC, and SoCal Gas forecasts as the input stream for calculating electric generation avoided costs.  Table 15 shows the updated average natural gas price and compares the updated average to the current values.  Note that NYMEX Henry Hub gas futures contract average prices are used for years 2006 through 2011, so the grayed-out values would not be used. 
Table 15:  Updated Average Natural Gas Log-Run Forecast ($/MMBTU at Henry Hub)*
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* 
Gray area from 2006 through 2011 is not used in computation of avoided costs, gas futures data from NYMEX is used through 2011.  Shaded area from 2012 to 2014 is the transition period.  During the transition period, the natural gas forecast is a blend of NYMEX futures and the Long-Run gas forecast.
At the March Workshop, E3 showed an updated chart of gas prices using NYMEX futures prices as of 3/10/06.  Parties concurred that the NYMEX market values should also be updated in the natural gas forecast.  Figure 4 shows the updated natural gas price forecast using NYMEX data as of the day of the close of the March workshop.

Figure 4:  Updated Natural Gas Price Forecast ($/MMBTU)
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Figure 5 through Figure 7 illustrate how the updated long-run natural gas price forecast affects the electric generation avoided cost forecast.  The years 2006 through 2007 use electricity market prices
.  Electricity prices for January 2006, February 2006, and March 2006 are the historical closing prices from the final day of trading (dates were: 12/27/05, 1/30/06, and 2/27/06, respectively).  The electricity forward prices are from Platts as of the close of the March workshops on 3/15/06.  Years 2008 through 2011 are the long run cost of a CCGT (at resource balance) using natural gas prices from the NYMEX futures.  Years 2012 through 2014 are the transition period, where the CCGT cost uses the natural gas prices that are transitioning from NYMEX to the long-run gas forecast.  After 2014 the long run natural gas forecast is used exclusively for the CCGT cost.  The figures show that the generation avoided costs change significantly through 2014, due somewhat to the updated electricity market data (2006 and 2007), but due mostly to the affect of the updated NYMEX natural gas forecasts (2008 – 2014).
Figure 5:  Comparison of PG&E Electric Generation Forecasts
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Generation cost includes all multipliers and adders except for T&D..
Figure 6:  Comparison of SCE Generation Forecasts 

[image: image21.emf]$-

$20

$40

$60

$80

$100

$120

$140

2006200820102012201420162018202020222024

Avoided Cost ($/MWh)

4-10-05 Avoided Cost

3-15-06 Update


Generation cost includes all multipliers and adders except for T&D.  

Figure 7:  Comparison of SDG&E Generation Forecasts 
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Generation cost includes all multipliers and adders except for T&D.  
TURN also recommends that an update (increase) in natural gas and electricity avoided costs should not result in larger incentives or rewards for the utilities.  E3 understands TURN’s concern about utilities receiving a windfall for activities they would have undertaken even with the lower avoided costs.  However, E3 is also concerned that using one set of costs for program valuation and another set of costs for reward determination would be needlessly complicated and could create a disincentive for utilities to rebalance their portfolios to reflect the new avoided costs.  E3 recommends that concerns over incentive and reward levels should be addressed in the development of those mechanisms.
Appendix A:  Consensus and Non-Consensus Items
This summary of party positions and action plans was developed during the March 14-15, 2006 workshop.  This appendix is organized by topic according to the order of issues in the Scoping Ruling.  
1.  Develop a common definition of peak (and critical peak or other terms, as appropriate) demand reductions to use in evaluating energy efficiency resources across proceedings.

(Also see issue 5  re: different definitions)

Within EE Proceedings

Near Term for verification of goal achievement and performance basis calculations/thresholds, and portfolio management.

· Consensus to use DEER kW definition (2-5pm 3-day) of peak and true-up using DEER kW definition of impacts ex-post.
· Parties raised concerns over the utility use of peak kW that are not explicitly linked to DEER measures.  ALJ Gottstein directed the utilities to provide data on the implied peak kW load factors of the utility measures and programs that do not use DEER estimates of annual kWh and peak kW reductions. (See Action Item 2).
Long Term for verification of goal achievement and performance basis calculations/thresholds, and portfolio management.
· Parties did not reach consensus on a peak definition for use beyond this program cycle.  
· Two potential peak kW definitions are listed below, and parties did agree that the future peak kW definition may depend upon the load shape information available at that time.
1. DEER kW definition (2-5pm 3-day) of peak (or variant)?

2. Coincident peak (12 monthly single hours)?

In other proceedings

· Parties agreed that the March Workshop should focus on energy efficiency peak kW for verification of goal achievement and performance basis calculations/thresholds, and portfolio management 
· Parties also agreed that the table of metrics and data granularity by proceedings developed during the March Workshop should be included in the Final Report.

2.
Update the interim avoided cost methodology/E3 calculator to more accurately reflect the impact of energy efficiency, distributed generation and demand response on peak and critical peak loads, including consideration of how critical peak avoided costs should be used in the context of energy efficiency measures that are not fully dispatchable

Value Adder for TOU undervaluation (as compared to hourly analysis)

Value adder is a multiplier to total lifecycle benefits excluding T&D capacity benefits for measure shapes (such as Res AC) that use TOU shapes.  For example, if the current lifecycle avoided cost for Res AC excluding T&D is $200, then a 10% value adder would add $20 adder to lifecycle avoided cost for Res AC.  
Consensus was that an adder would be appropriate, but questions remained about level and detail (end uses, climate zone, utility).  Mike Messenger proposed a 10-12% value as a simple approach.  Initial results presented in draft report and at the March Workshop indicated that Res AC might be the only sector and end use that requires a value adder, but parties wished to have more information.  ALJ Gottstein directed E3 and Jeff Hirsch to provide more information on the TOU undervaluation for other PG&E end use shapes, and select DEER shapes. (See Action Item 1)
Critical peak or super peak period definitions.

Consensus was to drop development of critical peak or super periods, and focus on the value adder.

Capacity Adder

No consensus was reached on the threshold issue of whether the E3 methodology should be modified for a capacity adder in the peak hours using the CT residual cost. The issue revolves around arguments on the shape of the market prices in the future.  Specifically, do market prices need to be high enough to pay for a new CT at resource balance?  
Also TURN raised the issue of placing EE on an equal footing with other resources in other proceedings. This last issue was of particular importance in deciding whether to subtract any the value of any peak capacity adder from the market price curve in other hours.  ALJ Gottstein directed TURN and the utilities to identify how capacity is valued in other proceedings.  (See Action Item 4)
Parties agreed that a capacity adder would affect cost effectiveness which could change shareholder incentives if net benefits are used to determine incentive payments.  
No consensus was reached on what would happen to overall net resource benefits if the capacity adder is NOT netted out from avoided costs in off peak hours.  Most parties argued that net resource benefits would increase, and E3 concurs as long as the measure mix remains constant.  Other parties pointed out that measure mix could change and that with a change one could not be certain that the capacity adder would increase net resource benefits of the portfolio overall.
In terms of a methodology adjustment, Bill Marcus, E3 and PG&E are to confer on capacity adder methods and explain differences in values and causes in joint filing. (Action Item 5)  It was also suggested that issues for valuing dispatchable versus non-dispatchable may be driving differences in methodology across proceedings.

3.
Consider how the recently adopted resource adequacy counting rules adopted in D.05-10-042 and D.04-10-035 might affect (1) and (2) above.6 For example, should the definition of peak or critical peak only apply to load reductions that count toward meeting resource adequacy requirements under the “top down” approach adopted by those rules?

Near Term

· Consensus is that data is not available to determine monthly single hour coincident peaks for the update, so not a near term issue.

Long Term

· PG&E expressed the desire that costs reflect actual savings, which they expect to be RA costs. – Phase 3
4.
Improve the consistency in underlying load shape data and the methods by which that data is translated into peak savings estimates.

(See discussion for issue 6)
Near Term

· Second half of day 2 of the March workshop focused on long term development.

· In the near term, utilities to do analysis to compare utility entries of peak and annual kWh with generic CEC load factor values. (see Action Item 2)
Long Term

· Consensus that load shape research should proceed.

· PG&E notes that new information in coming in from other studies and should be leveraged.

5.
Consider whether different definitions (different than that recommended in item (1)) of peak demand reductions for energy efficiency are needed for cost-effectiveness evaluation, establishment of energy efficiency peak reduction goals, evaluating achievement of those goals, critical peak pricing, and resource adequacy counting.

Near Term

· Consensus was that DEER kW peak definition is appropriate for establishment of goals and goal achievement.  

· Parties recognized that peak demand definition only affects the T&D component of the cost effectiveness calculation, 

· Consensus was that critical peak pricing need not be defined in this forum.

Long Term

· Focus was on development of the data to allow flexibility of peak definitions.

· Is a different definition of peak needed for T&D valuation? – Phase 3
6.
Make improvements to measure load shapes, including:

· More accurate sources of data than those currently used.

· Improvements to the consistency in underlying load shape data and the methods by which that data is translated into peak savings estimates.

· Specifications for the type of load shapes to be developed.

· Period for defining demand impacts (e.g.: 60-minute, run time averages).

· Calibration of results to annual usage and end-use survey data.

· Management of data options (how to meaningfully synthesize hundreds of simulation options per measure).

· How demand will be measured ex-post.

See Action Item 3.
7.
Determine the most appropriate calculation platform to use for the program evaluations (i.e., spreadsheet or database).

Near Term

· Consensus to continue to use the E3 Calculator for program evaluations and submissions (ex ante)

· SCE opined that E3 Calculator should not be used for reporting.  Utilities will meet among themselves, with E3, and Joint Staff on common approach and tool for reporting

Long Term

· Parties related concern over calculator size and DRA expressed interest in comments to link to load shapes and DEER database.
8.
Correct calculation anomalies with respect to Standard Practice Manual cost-effectiveness indicators/methodologies.

· Consensus at January workshop was that no changes are needed to the calculator, but changes are needed for the input instructions.
· Utilities to work together to create a joint request to ALJ Gottstein and ED to modify reporting requirements to fix the overhead double counting issue. (See Action item 6)

· Peter Lai to investigate Net to Gross ratios being applied to incremental measure costs (input issue, not calculator issue), based on input from Mike Messenger paper and review of SPM.
· DRA had a concern that incremental measure cost was artificially reduced by the participant incentive and therefore excluded from the cost test denominators.  ALJ Gottstein directed utilities to provide data to DRA to allow DRA to check for input problems. (Action item 7)

· ALJ Gottstein clarified that the long run planning issue of net to gross, not a matter for this update.
9.
Convert annual savings to peak savings for all measures using a consistent counting period (useful lives > 2 years).

Consensus at January workshop was that this concern has been addressed with the “quick fixes.”
10.
Identify areas where further refinements of input assumptions/model algorithms may be needed to create a common E3 calculator for use by all implementers.

Near Term

· Consensus at the January workshop was that differences will remain due to differences in utility measures and utility avoided costs.  See above for platform discussion.
Long Term
· Consensus was that work should continue on development of a consistent platform that would also be useful for third party implementers.  No commitment was made as to the platform for the future tool.
11.
Update the natural gas prices in the E3 calculator based on current forecasts and consider whether the Commission should revise the ex ante assumptions of avoided costs to reflect these updated gas price forecasts, for the purpose of evaluating the performance of 2006-2008 energy efficiency programs.

· Consensus to use the updated long run fundamental forecasts in the draft report.

· Consensus to update NYMEX gas futures prices
· Consensus that the revised ex-ante forecast is to be used throughout the three year program cycle.  ALJ Gottstein clarified that this does not require that utilities revise their compliance filings.

Action Plans
Item 1:  
Jeff Hirsch to prepare table of comparisons of 1) DEER hourly versus DEER hourly based TOU and 2) PG&E hourly versus PG&E hourly-based TOU for Res AC, Commercial AC, and Commercial lighting measures.  The table will present results broken out by climate zone and utility at a minimum.  The results are to be included in the Final Report.
Item 2:
Utilities to provide information necessary for the PAGs and Joint Staff to evaluate peak kW reduction load factors for utility programs (especially for custom utility programs that are not in DEER).  Suggestions were made to use generic CEC load factors As a basis for comparison.  
Item 3:
Execute an action plan for improving end use load and or measure impact shapes along the lines of the 2006 avoided cost update.  Included below is the proposed Action Plan for improving end use load and or measure impact shapes 

1. Commission directs utilities to jointly manage contracting with appropriate expertise to initiate a load shape update initiative.  Includes workshops with technical expertise open to public for scoping the study, discussing interim results, ala 2006 avoided cost update.  Funding will be from the DEER update budget or other appropriate category from staff’s March 28/29 workshop as determined by Joint staff. 

2. Have a project initiation meeting and develop high level Research Objectives

3. Get a better idea of what Load shapes/Blocks Exist in E3 calculators, CEC and utility load forecasts, and Ongoing Research and quality of data sources

4. Discuss how big is the problem, utility vs statewide, and what would represent an improvement; expected benefits vs costs?

5. Discuss Near and long Term improvement objectives-(How best to incorporate recently completed studies, and studies underway): timeframes for completion that will feed planning or other needs.

6. Discuss Criteria to use in  Prioritizing End Uses/ measures for improvements

7. Discuss alternative approaches to completing the work- Who should manage research projects, complete work and how to procure contractors? What are the available budgets?

8. Prioritize end uses and develop a schedule to improve specific end use blocks/shapes

9. Develop a Scope of Work and hire contractor

10. Provide updated load shapes to each utility (perhaps within 18 months of project start).  Needs to be available for next cycle.  Fall or winter of 2007.

Item 4.
Bill Marcus and utility representatives to jointly identify the proceedings where capacity is currently or has recently been valued,  and discuss the different approaches to capacity valuation (and the values), especially with respect to capacity adders or potential “overvaluation.”  This information is to be provided in parties’ Opening Comments.

Item 5
Bill Marcus, E3 and PG&E to confer on capacity adder methods.  Explain differences in values and causes in a joint filing.
Item 6
Utilities to work together to create a joint request to ALJ Gottstein and ED to modify reporting requirements to fix the overhead double counting issue.
Item 7
Utilities to provide data to DRA to allow DRA to check for input problems. DRA had a concern that incremental measure cost was artificially reduced by the participant incentive and therefore excluded from the cost test denominators.

Item 8
Mike Messenger suggested that a process is needed on an ongoing basis to review inputs and calculator for quality control.  Mike also identified the need for a process for updating new or updated ex-ante information for planning and portfolio management purposes. Similar to the need for a DEER quality control process.
Item 9
Related to Action Item 1, ALJ Gottstein directed the utilities to get together to arrive at value adder recommendations based on the Action Item 1 results.
Item 10
E3 will meet with the IOUs to implement a common reporting tool that reflects the cost effectiveness information embedded in the E3 calculators. (This was not a formal action item)

Appendix B:  Summary of Party Comments on the Draft Report
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� The peak days are the three hottest contiguous weekdays.  For education sector, an alternate peak days definition is included that excludes weekdays when schools are typically not in session.   For residential measures, peak kW reflects run time averages and applies a 65% diversity factor to convert the individual household impacts to grid-level impacts.  For a comprehensive discussion of DEER peak kW see Attachment 3


� T&D avoided costs have been excluded for simplicity.  For TOU-based shapes, T&D avoided costs are aggregated into capacity values by TOU period and multiplied by the estimated kW reduction by TOU period.  kW reductions for most measures are based on DEER estimates, so including T&D capacity valuation would add another dimension to the analysis.  To the extent that different DEER measures for the same end use have different ratios of kW reductions to kWh reduction, the determination of under or over valuation would change.


� Five TOU periods are maintained for the analysis, so months removed from the summer period are added to the winter TOU periods.  For the last two examples, non-holiday weekday noon to 2pm and 5pm to 6pm are moved from the summer peak period to the summer partial peak period


� This assumes that new TOU shares could be calculated for the revised TOU period definitions.


� Avoided costs are from October 2005.  The costs do not reflect the update to electricity avoided costs resulting from the March 15, 2006 update of gas prices and electric forward prices. Updating the avoided costs could change the level of the average avoided costs shown for each end use, but would not change the deviation percentages.  The deviation percentages are a function of the relative shape of the hourly avoided cost curve.  The gas price and electric forward update do not alter the relative shape of the hourly avoided cost curve.





� The 1.15 ratio indicates that the TOU costs need to be increased by 15% to correct for the TOU undervaluation. Note that this is different from the deviation percentages shown in � REF _Ref127606935 \h ��Table 3� and � REF _Ref128034295 \h ��Table 4�.  The deviation percentages express the undervaluation problem using the hourly values as the base, whereas the ratios use the TOU value as the base.


� See, for example, Borenstein, Bushnell and Wolak, “Diagnosing Market Power in California's Deregulated Wholesale Electricity Market”, American Economic Review, December 2002 (working paper published to University of California Energy Institute in August 2000), and Borenstein, Bushnell and Wolak, “Measuring Market Inefficiencies in California's Restructured Wholesale Electricity Market”, UCEI Working Paper, June 2002. 


�  The amount of DR counted towards RA also depends on amount of DR being implemented and its relationship to the peak loads of the control area or LSE.  As the amount of DR increases in proportion to the LSE’s total peak load, it must be available during more hours to maintain the same ability to reduce peak loads.  For example, 48 hours may be sufficient to measure the impact of existing DR levels on RA; however, many more hours would be needed if, for example, Critical Peak Pricing were to be substantially expanded.  This is likely to substantially reduce the RA value of DR as additional DR is implemented.


� TURN also pointed out, and E3 concurs that the reduction of the single hour coincident peak in most months of the year should have little or no bearing on the determination of peak.  Once capacity is secured for the peak months, sufficient capacity will likely be available at no additional cost (or at a far lower cost) for the off peak months.


� E3 utilized the following adjustment factors to convert the IEPR wellhead prices to nominal values at Henry Hub.  1)  a 9/13/2004 GDP implicit price deflator from the CEC Demand Office to convert the IEPR values to nominal dollars; 2) a 1.027 MMBTU/Mcf conversion factor, and 3) a 10.8% adder to convert from wellhead to Henry Hub (this is the same factor used to convert the EIA forecast to Henry Hub).


� The current avoided cost methodology defines 2008 as the resource balance year.  Accordingly, long run marginal costs of a CCGT are used starting in 2008, rather than electricity forward prices.
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SDG&E

Includes natural EE adoptions in its base load forecast. (p. 2)

Demand Response

SCE

The Commission should consider this separation of demand and energy in avoided 

costs when assessing the development of appropriate avoided costs for use in 

evaluating Demand Response programs. (p. 5)

SDG&E

Concurs that the methodology should not be extended to Demand Response (p. 4)

Other Issues

TURN

E3 ignored or overlooked majority stakeholder positions on several issues including 

critical or super peak estimation and avoided cost methodology changes. (p. 1)

TURN

Draft report fails to provide strategic thinking on how to prioritize, investigate and 

advance the 2006 update fore portfoilio rebalancing and performance basis setting. (p. 

2)

[image: image31.wmf]Application of E3 Tool

SCE

E3 Calculator should not be used for reporting (p. 6)

Future Tool

SCE

Consider a tool that is more integrated with hourly data and the DEER database for the 

next program cycle (p. 7)

Calculator Anomolies

SCE

Recommend that subcontractor overheads remain in the direct installation category (pp. 

7-8)

SDG&E

Recommends that overhead costs for some reporting categories, but not all, be 

reported under Administrative costs (p. 5)

PG&E

The overhead double counting problem can be solved if overheads associated with 

Admin, Mktg and Direct Implementation activities are properly attributed to each 

category and entered only once into the E3 Calculator.

DRA

Consider revision of the EE policy rules to institute a cap on participant incentive 

amount to avoid TRC distortion. (p. 7)

[image: image32.wmf]Natural Gas Update

SCE

Recommends updating the natural gas prices for use in both ex-ante and ex-post 

measurement (pp. 5-6)

SDG&E

Since gas price change has a small impact, do not update if the PX price shape profile 

is not changed (p. 5)

DRA

E3 should explain why an 8-10% natural gas price change results in only a 4-5% 

increase in electricity avoided costs. (p. 5)

DRA

4-5% change may be significant (p. 5)

DRA

E3 should provide the NYMEX gas futures (p. 5)

[image: image33.wmf]Capacity Adder and Peak Reshaping

SDG&E

Concurs that PX shape should NOT be modified for the full recovery of a CT (p. 2)   

Cites the RPS proceeding for support.

SDG&E

Opposes replacing PX with TOD shapes because of lack of granularity and mismatch 

between TOD and EE TOU periods. (pp. 3-4)

TURN

E3 appears to misunderstand the basis for TURN's CT adder recommendation. (p. 5)

TURN

TURN characterizes the difference between  E3's $50/kW-yr adder and TURN's $20-25 

adder (p. 6)

TURN

The CT adder is needed to make the playing field between EE and DR more level. (p. 6)

DRA

PX shape adjustment is beyond the scope of the update, and the PX shapes exhibits 

adequate volatility (p. 5)

SCE

Supports the current costs with a natural gas update, and opposes a price shape 

update. (pp. 4-5)

[image: image34.wmf]Critical Peak Periods

SCE

The development of estimates of demand reductions during these "critical peak" periods 

and the assignment of avoided costs specific to these periods should be discussed in 

the development of cost-effectiveness methodologies of demand response programs. 

(p. 3)

TURN

Suggests value adders to reflect super peak periods (p. 4)

DRA

Recommends against construction of a critical peak metric.  Only needed IF the 

Commission intends to develop a separate critical peak kW reduction goal. (p. 3)

PG&E

PG&E recommends critical peak KW definitions and critical peak TOU shares (because 

of DR and DG?) (p2)

SDG&E

Concurs with E3 recommendations, as issue not addressed in comments.
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SCE

Parties to the EE proceeding should work towards developing hourly, calibrated 

measure impact data (p. 2)

TURN 

TURN suggests focusing the workshop on load shape and peak savings estimates 

improvements.(p. 2)

SDG&E

Concurs with E3 recommendations, as issues not addressed in comments.

PG&E

Silent on the issue in comments, but was generally in agreement with SCE's position

DRA

Cost of obtaining hourly load data appears justified only for weather-sensitive measures. 

(p. 4)

